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PREFACE

This is the Federal Energy Regulatory Commission’s
second State of the Markets Report and the first
prepared by the Office of Market Oversight and
Investigations (OMOI). The report covers an
assessment period from January 2002 through

June 2003 and covers electricity, natural gas and
related financial market conditions and trends. In
contrast to OMOI’s seasonal assessments, which focus
on the near future, this report examines market
performance in the recent past. In the State of the
Markets Report, OMOI presents findings regarding
market conditions relevant to the Commission and
identifies emerging policy issues that may soon
require the Commission’s attention.

The Commission created OMOI in April 2002 to focus
its efforts on energy market oversight. Any errors in
this report are the responsibility of OMOI alone and
not of the Commission as a whole.

I want to commend the able leadership team for
this project: Mary Beth Tighe and Cynthia Wilson.
Other members of this team are listed in the
Acknowledgements.

We encourage readers to provide feedback on this
OMOI product by filling out the State of the Markets
Report Evaluation Card below, sending comments
to an e-mail address specifically set up for this
report, SOM.2003 (@FERC.gov, or by contacting staff
referenced in the acknowledgements at:

OMOI (State of the Markets Report)
FERC

888 First Street, N.E.

Washington, D.C. 20426
202-502-8100

A fair energy marketplace is everyone’s
responsibility. Please do your part. If you encounter
inappropriate energy market behavior, contact our
ENFORCEMENT HOTLINE toll-free by telephone at
1-888-889-8030 or via e-mail at Hotline@FERC.gov.

Thank you.

WiLLiam F. HEDERMAN
Director

Office of Market Oversight and Investigations
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STATE OF THE MARKETS

INTRODUCTION

he Federal Energy Regulatory Commission (FERC) regulates the transmission and sale of natural

gas and electricity for resale in interstate commerce to ensure that customers have dependable,

affordable energy through competitive markets. One of the Commission’s strategic goals is to

protect customers and market participants through vigilant and fair oversight of energy markets in
transition. To pursue this goal, the Commission promotes understanding of energy market operations and
assesses market conditions using objective benchmarks in order to create pro-competitive market structure
and operations.

The purpose of this State of the Markets Report, produced by FERC’s Office of Market Oversight and
Investigations (OMOI), is to assess the competitive performance and efficiency of U.S. wholesale natural gas and
electricity markets from Jan. 1, 2002, through June 30, 2003 (the “assessment period”). This report fulfills the
Commission’s commitment to Congress to provide a comprehensive assessment of energy markets that uses
market data and performance criteria, improving the Commission’s ability to identify and correct trouble spots
in the market before they become serious. This report also establishes a framework for performing future
analyses of energy markets in order to better assess performance and improvements over time.
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SUMMARY

arginal improvements occurred in the way wholesale energy markets in the United States

provided electricity and natural gas during the assessment period, despite significant challenges.

Markets delivered energy reliably and several improvements occurred, including improvements

in the functions of certain short-term, organized electric markets; the development of innovative
products and services designed to improve risk management; price stabilization in the West due to increased
generation capacity and improved hydroelectric conditions; investment that added new generating capacity
throughout the country (increasing total U.S. capacity by 10 percent), including new efficient generation in the
Southeast; and a focus by a broad set of market participants on the credibility of price formation.

As shown in Figure 1, energy markets faced serious chal-
lenges that included an unprecedented financial downturn for
energy traders and providers and a corresponding decline in
the use of risk management tools, mixed incentives for energy
investment, the slow response of natural gas production to
increasing prices, the continuing thinness of reported market
activity and the expansion of concerns about the transparency
and credibility of price formation. However, energy markets
proved sufficiently resilient to manage these challenges and
delivered energy to customers reliably.

Across the country, prices for both electricity and
natural gas were below 2001 levels but tended to rise during
the assessment period, more significantly for natural gas
than electricity. Downward pressure on electric prices early
in the assessment period resulted from the entry of new
generating capacity and lower demand levels than earlier,
comparable periods. Electricity price increases appear largely
attributable to increases in natural gas prices.
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Figure 1: Market events challenge natural gas/power market liquidity and credibility.
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Note: Gas Daily daily spot prices at Henry Hub provided to illustrate two years of U.S. gas commodity price behavior starting in winter 2001-02. An
average of peak hour prices in PJM's day-ahead market provided as an example of regional power prices.
Source: PJM, Platts Gas Daily and trade press. Graphic by OMOI.

M Approach

More than a decade ago, the Commission began to
make use of competitive market forces to the extent possible
to benefit customers and to achieve just and reasonable
prices.! Well-functioning competitive markets benefit custom-
ers because they:

>

provide information about the value of energy to buy-
ers and sellers active in the markets who, through their
market actions, produce competitive prices,

create incentives for efficient production,

allocate scarce resources efficiently,

vvyy

create incentives for efficient investment where and
when needed by highlighting scarcity through price sig-
nals, and

provide customers with new options and flexibility for
meeting demand.

To the extent that markets do not function adequately,
the benefits of competition are not achieved for customers.

To function adequately, wholesale markets need to be
workably competitive and need to offer sufficient contract-
ing alternatives to allow participating firms to manage
their risk. Workably competitive markets tend to have many
buyers and sellers participating, have no artificial barriers
to entry and exhibit little market power or manipulation.

! Regulation of Natural Gas Pipelines After Partial Wellhead Decontrol, Order
No. 436, Regs. Preambles 1982-1985, FERC Stats. & Regs. 11 30,665, order
on reh’g., Order No. 436-A, Regs. Preambles 1982-1985, FERC Stats. &
Regs. 930,675 (1985).

Pipeline Service Obligations and Revisions to Regulations Governing
Self-Implementing Transportation Under Part 284 of the Commission’s
Regulations, and Regulation of Natural Gas Pipelines After Partial Wellhead
Decontrol, Order No. 636, FERC Stats. & Regs. 130,939 (1992).
Promoting Wholesale Competition Through Open Access Non-discrimina-
tory Transmission Services by Public Utilities; Recovery of Stranded Costs
by Public Utilities and Transmitting Utilities, Order No. 888, 61 Fed. Reg.
21,540 (May 10, 1996), FERC Stats. & Regs. 131,036 (1996), order on
reh’g, Order No. 888-A, 62 Fed. Reg. 12,274 (March 14, 1977), FERC Stats.
& Regs. 131,048 (1997).

Regional Transmission Organizations, Order No. 2000, 65 Fed. Reg. 809
(January 6, 2000), FERC Stats. & Regs. 17 31,089 (1999), order on reh’g,
Order No. 2000-A, 65 Fed. Reg. 12,088 (March 8, 2000), FERC Stats. &
Regs. 130,092 (2000), aff’d sub nom. Public Utility District No. 1 of
Snohomish County, Washington v. FERC, 272 F3d 607 (D.C. Cir. 2001).
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Prices in competitive markets tend to respond to funda-
mental changes in supply and demand. For this reason,
we expect efficient competitive natural gas and electric
markets to exhibit market prices that respond to factors
affecting demand such as economic growth and weather,
and to factors affecting supply such as input prices, produc-
tion levels and transmission congestion. In addition, prices
in well-functioning markets are sufficiently transparent
for market participants to base buy and sell decisions, and
to signal the need for new investment. Sufficiently robust
markets show evidence of alternative products that allow
firms to balance reliance on short-term spot markets with
less volatile longer-term markets, or to protect themselves
from volatility through investment or the purchase of risk
management or hedging vehicles. We would expect the
prices for these alternative products to converge to a point
that reflects differences in risk among them. If a price
differential exists for other reasons, customers in a well-
functioning market will seek out the best value, putting
competitive pressure on the prices of all products.

Using these characteristics of well-functioning markets
as a guide, this report assesses how well energy markets
within the oversight of the Commission, or those closely
related to those jurisdictional markets, functioned during the
assessment period. In order to determine whether natural
gas and electricity markets functioned in accordance with
these factors, OMOI staff examined available evidence on
several factors.

First, we examined key characteristics of the structure
of the markets and assessed their ability to support competi-
tive performance. Staff then compared price behavior during
the period to fundamental supply and demand drivers of
prices, including seasonal demand, peak delivery constraints,
storage levels, known outages, generating fuel prices and
others. In particular, staff reviewed prices during scarcity
conditions at certain times and locations. Staff examined
where and how regulatory mitigation of market outcomes,
designed to deal with perceived market imperfections, was
administered during the period. Staff also reviewed market
design and transparency, assessing the availability of informa-
tion and the degree to which differences in market designs
across regions or industries inhibit efficient commerce. Staff
assessed risk management options across markets, looking
at both the availability and use of these price and reliability
hedging tools. Finally, staff examined investment during the
period, assessing actual investments in infrastructure and
supply options as well as investment signals in these markets.

Key findings of OMOI’s analysis are presented first.
The remainder of the report is organized into two major
sections, one examining wholesale electric markets and
one examining wholesale natural gas markets. Electricity
markets are analyzed regionally and divided into two
groups: regions with organized electricity markets—
markets operated by independent system operators (ISOs)
or regional transmission organizations (RTOs)—and
regions without organized electricity markets operating
during the assessment period. Figure 2 characterizes the
level of development of regional transmission service and
electricity markets across the country. Approximately 120
million Americans (40 percent of the population)? lived in
states served by organized markets during the assessment
period. An additional quarter of the population lives in
regions where organized markets are forming and will be
operated by MISO, SPP and an expanded PJM.

?  Derived from U.S. Census Bureau (factfinder.census.gov).
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Figure 2: Operating or forming organized electricity markets serve
approximately 70 percent of U.S. population.

Legend
[] Operating or forming markets
[| Early stages of forming markets

\ [] No activity

GridFlorida

Note: Western Kansas, which is part of the NERC SPP region, will be operated by MISO.
Source: Platts POWERmap. Graphic by OMOI.

There are five regions with operating organized electric-
ity markets assessed in this report:

P> 1SO-NE (the New England states)
P> NYISO (New York)

» M (much of the Mid-Atlantic states)
P> ERCOT (most of Texas)

P> CAISO (most of California)

There are six regions without operating organized
electricity markets assessed in this report:

Southeast
Florida
Midwest
South Central*

Southwest

VVVVYYVYY

Northwest

3 For a map of these regions, see Figure 8 and Appendix 1.

* During the assessment period, Entergy Corp. was in preliminary stages to join
SeTrans, a proposed RTO in the Southeast. For this reason, its service territory
was considered as part of the Southeast, not South Central. Depending on
future activities, we may realign the regions in subsequent reports.

B Key Findings of the Report

Electricity Markets

1. Electricity markets generally performed consistent
with supply and demand factors during the assess-
ment period, with prices rising and falling daily
and seasonally in response to factors such as weath-
er, customer demand, input fuel prices and power
plant outages.

The relationship between prices and underlying market
fundamental variables is complex, as we observed in the
response of electricity markets across the country to the
run-up of natural gas prices in late February and early March
2003. With this notable exception, electricity prices during
2002 were lower than in prior periods, but rose to moder-
ately higher levels in the first half of 2003.

Organized markets delivered electricity to customers
in 2002 at average regional prices lower than in 2001. Prices
declined 815 percent, with the exception of CAISO markets,
which declined 77 percent from 2001 levels. Milder weather,
new generating capacity, inexpensive natural gas and
improved hydroelectric conditions in the West contributed
to the lower 2002 prices. Prices began to increase with the
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rise and spike of natural gas prices in late February and early
March 2003 and remained at moderately higher levels (20—
30 percent higher than in 2001) through mid-2003. Again,
CAISO was an exception with first-half 2003 prices nearly

70 percent below 2001 levels. ERCOT was another exception
with average first-half 2003 prices more than double the
average 2001 level. Prices for bilateral transactions in these
regions demonstrated similar trends.

Bilateral prices outside regions with organized markets
were reported lower in 2002 than their 2001 levels, trending
upward in summer 2002 and during the February/March
2003 natural gas price spike. The average first-half 2003
prices were about 20 percent higher than 2001 levels, with
the exception of the western trading hubs of Mid-Columbia
and Palo Verde, where prices remained significantly below
2001 levels.

Electricity price volatility generally declined in regions with
organized markets, but generally increased in regions without
organized markets. In organized markets, the exception was
ERCOT, where volatility increased. Volatility of bilateral prices
at Mid-Columbia in the Northwest declined in 2003, reflecting
improved hydroelectric availability in the region. Electricity price
volatility was higher than physical natural gas price volatility,
which rose steadily during the period.

Lower prices resulted in losses for some power plants.
Investors, not customers, generally bore these losses, which
caused some short-term financial stress, but encouraged
long-term market efficiency through investment account-
ability. Despite the exit and entrance of market participants,
as well as changes in company strategies and the crisis in
confidence during the assessment period, the electricity
markets delivered reliable service to customers.

2. Organized markets offered new risk management
tools during the assessment period. Market partici-
pants had few opportunities for long-term price dis-
covery, which facilitates risk management.

Among the most notable developments were the
increase in risk management products offered in organized
markets and the introduction of additional financial products
for risk management. NYISO, ISO-NE, PJM and ERCOT
introduced new products and services, such as firm transmis-
sion right options. Nymex began to offer new credit clearing
products. It also introduced a redesigned PJM futures
contract at the end of the assessment period, the use of
which rose over time. Risk management tools were available
bilaterally in all regions, but heightened creditworthiness
risk and associated costs affected their use.

Despite significant reliance on long-term bilateral
electricity contracts (approximately one-third of reported
U.S. sales are delivered under long-term contracts of one
year or longer), it is not clear that market participants used

published indices for long-term products (such as Megawatt
Daily’s prices through calendar year 20006), which could have
provided long-term risk management. Anecdotal evidence
suggests that parties aggregated their transactions through
independent parties to derive long-term forward price curves
to help determine value-at-risk for risk management controls
and reporting. The PJM Western Hub contract remained the
only futures market for electricity.

3. In most regions bilateral trading volumes report-
ed to index publishers and transacted on the
IntercontinentalExchange (ICE) declined over
the assessment period, coinciding with merchant
credit problems. Regions in the West were a notable
exception to this trend. Despite overall declines in
bilateral trading volumes, organized markets had
robust participation during the assessment period.

The Enron bankruptcy in 2001 and later developments
precipitated a crisis of confidence in the physical and finan-
cial electricity industry. Many companies engaged in trading
withdrew from bilateral markets as the perceived risk and
creditworthiness requirements increased significantly. The
decline in the number of market participants trading actively
led to lower liquidity in bilateral markets, and growing
concern regarding the credibility and representativeness of
the price data being supplied to index developers. Bilateral
trading volumes in the West did not follow this trend, as the
region rebounded from a collapse in trading. While overall
trading activity fell during the period, new players emerged
with financial backing and experience in other markets.

Despite declines in bilateral trading volumes, participa-
tion in organized short-term markets was strong. Sales
in regions with organized markets were approximately
60 percent of total reported wholesale sales during the
assessment period.” On average, 67 percent of reported
transactions in regions with organized markets were under
short-term contracts (bilateral and in ISO-operated markets).
With the exception of the California and ERCOT balancing
markets, 20 percent or more of short-term transactions in
regions with organized markets took place within the ISO or
RTO short-term market. This in part reflects the availability
of transparent organized short-term markets. It also reflects
local supply-demand conditions. Market participants in

> Derived from FERC Electric Quarterly Reports (EQR), Fourth Quarter
2002 through Second Quarter 2003. In the EQR, companies report
wholesale power sales within FERC’s jurisdiction. Generation to serve
one’s own load, sales by federal authorities such as TVA and BPA, sales
occurring fully within ERCOT and sales by qualifying facilities (QFs)
under QF contracts are not included. Filings with clear errors affecting
total sales were eliminated from the dataset pending correction from the
submitting company. Regional allocation of sales was estimated using
Point of Delivery Control Area and Specific Location information pro-
vided in the filings. All sales to ISOs were assumed to be short-term and
to occur within the ISO’s control area.




OFFICE OF

MARKET OVERSIGHT AND

INVESTIGATIONS

Figure 3: Generation ownership concentration lower in organized markets.

100

Regions with organized markets

Market share of single largest
capacity owner in region (%)
g

so:WA M

Regions without organized markets

[ Installed capacity
[ M Peaking capacity

Note: Installed capacity is the measured capacity or the capacity demonstrated to have been available during the hour of highest output of a generat-
ing unit. For purposes of this analysis, the working definition of a peaking unit is a natural gas or oil-fired unit with a heat rate greater than 10,000
Btu/kWh or a combustion turbine or internal combustion unit smaller than 50 MW in size with no reliable heat rate information reported.

Source: Platts POWERdat, Modeled Production Costs-Ownership-Based dataset for calendar year 2002. Analysis and graphic by OMQI.

regions without organized markets reported 61 percent of
transactions were under short-term bilateral contracts.

4. Regions with organized markets had numerous
buyers and sellers and the ownership of genera-
tion was spread among several entities. There were
fewer buyers and sellers in most regions without
organized markets and the ownership of generation
was more concentrated in many of these regions.
Concentration reduced competitive forces in some
markets.

The market structures in regions with organized
markets were relatively competitive during the assessment
period, providing the basic conditions and support for the
competitive performance of these markets. Load pockets
in these regions were important exceptions to this general
result. The market structures in regions without organized
markets provided significantly less support for competitive
market performance, with control of both generation and
transmission service concentrated in a single or a few verti-
cally integrated entities during the assessment period.

Figure 3 shows the single largest installed and peaking
capacity owner across regions. OMOI’s analysis of concentra-
tion of generating plant ownership found that for installed
generation in organized markets, no single firm controlled a
dominant share of capacity for the overall market. However,
during peak periods and in geographically defined areas like
load pockets, market shares tended to be higher. Many regions
without organized markets exhibited high supplier market
shares in both installed and peaking capacity generation. This
is largely due to the dominance of vertically integrated utilities

that controlled both transmission and generation services, and
historical development of the regions.

As a result of these findings, OMOI concludes that there
are regions without organized markets where the basic
conditions and market structure for achieving competitive
performance did not appear to be in place. This is an issue
that OMOI will continue to explore and analyze.

5. Electricity customers had better market options
within regions with organized markets than within
regions without organized markets.

The fullest set of trading, scheduling and risk manage-
ment products was offered in regions with organized
markets (see Table 1; products available in natural gas
markets are provided for comparison). The clearest advan-
tage of organized markets for customers was the opportunity
for buyers and sellers to trade electricity day ahead and in
real time in open, transparent markets.

There were major differences in the scope and depth
of information available to customers about price formation.
In particular, customers in regions with organized markets
received location-specific pricing and explicit pricing of
congestion in real time. Pricing in regions with organized
markets was transparent to the public and monitored in
real time by market monitors. Customers in regions without
organized markets had significantly less market information
about prices, price formation, system conditions and transmis-
sion infrastructure needs than their counterparts in regions
with organized markets. Outside organized markets there was
limited market price information regarding the value of elec-
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Table 1: Wholesale energy markets design, June 2003.

Legend: Regions with Regions without
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Note: (1) An active market is defined as one that currently provides an historical price series. (2) An intra-day market for balancing physical
natural gas operated. Prices posted on ICE during the delivery day revealed natural gas prices to customers for increments shorter than one day.
(3) Losses are allocated to market participants based on a pro-rata share of total transmission losses. (4) Losses are allocated to sellers using
generation meter multipliers, which reflect scaled marginal losses. (5) Gas market participants could transact for day-ahead gas. Unlike day-
ahead markets for electricity, day-ahead gas purchases are not broken into hour-long increments. (6) Products traded: transmission capacity in
the pipeline capacity release market and storage capacity in the storage market. (7) CAISO and ERCOT did not have day-ahead energy markets;
economic dispatch was used in their real-time balancing markets only.

Source: OMOIL.

;I‘lCltY over tu.ne and across l(?catl(?rIs or of th? reglonal needs 6. Interdependence between electricity and natural
or transmission and generation siting, resulting in: gas markets increased, affecting prices, services
P> opaque (nontransparent) prices, and infrastructure requirements in both markets.
P> less-efficient dispatch of power plants, Nearly 96 percent, or 82 GW, of all generating capacity
> f ffic . completed during the assessment period was gas-fired.® As

use of less-efficient congestion management tools, and shown in Figure 4, natural gas-fired units—both combus-
P> muted or distorted signals for investment, particularly tion turbines and combined-cycle plants—represented the

where it is most needed. marginal source of electricity in several key markets includ-

o . ' . ing CAISO, ERCOT, much of Florida, the Northwest and
The poor quality of information outside organized 1SO-NE.

markets limited the effective functioning of wholesale
electric markets in those areas, potentially resulting in higher
COsts to customers.

¢ Derived from EIA, Form 860.
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Figure 4: Natural Gas is the marginal fuel in many regions.

Pacific
Northwest
(87%)
Mountain
Northwest
(60%)

Rocky
Mountains
(o7. (15%)

(91%)

AZ-NM-So. NV
(78%)

Frequency (% of time)
that natural gas or oil
was the marginal fuel

[10% -25% W >50% - 75%
>25% - 50% Il >75% - 100%

-

MAPP-US
(10%)

FRCC
(92%)

J

Note: Percent of time gas or oil was projected to have been on the margin during peak hours in 2003.
Source: Cambridge Energy Research Associates (CERA). The use of this graphic was authorized in advance by CERA. No reuse or redistribution of
CERA information is permitted without written permission by CERA. For more information contact CERA at (617) 866-5992.

Flexibility of existing services improved with the
introduction of new services and products by the natural
gas and power services industries, assisting electric market
participants to reduce gas procurement costs or increase
generating plant profits. The introduction of substantial
new gas-fired generating capacity imposed new operational
challenges on market participants and underscored the need
for new services. Substantial incremental natural gas pipeline
capacity, storage deliverability and liquefied natural gas
(LNG) send-out capability were announced and certificated
during the assessment period, in large part to meet the
growing demand for gas by generators.

Prices for natural gas were increasingly influenced by
the demand for electricity, which accounts for 27 percent of
total U.S. natural gas consumption.” Because the short-run
demand for fuel to generate electricity can be fairly price
inelastic, this can increase gas prices. The high value of
natural gas in power generation markets bid gas away from
some lower-value applications, including major industrial
users that depended on low-cost natural gas.

7. Diverse market designs represented barriers to
improved competitiveness and efficiency.

Market designs across electricity markets were diverse.
Organized electricity markets differed somewhat in product
definitions and energy market operations, as well as in how
they provided locational value signals and ancillary services.

Electric markets in regions without organized markets
depended on bilateral trading and voluntary reporting of
price information to price index publishers to provide price
signals to customers. These differences in market design,
both in regions with and without organized markets,
resulted in price seams between electricity markets, prevent-
ing efficient trading.

Differences in operational procedures between electric-
ity and natural gas markets also created seams, which stifled
efficient trading,

8. Some of the nation’s electricity markets were not
efficiently signaling the need for infrastructure to

meet growing energy requirements.

Reserve margins and load data indicate that there were
adequate, or in some cases, excess resources and reserves
to meet regional demand during the assessment period.
However, load pockets persisted in subregions where the
capability to import lower-cost power was significantly
constrained. Moderate amounts of investment were made,
but often not in the locations where it was most needed.

EIA, Natural Gas Navigator, “U.S. Total Natural Gas Consumption by End
Use,” 2002 annual data, (tonto.eia.doe.gov/dnav/ng/ng _cons_sum_nus a_
d.htm).

10
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Financial requirements for raising capital for new
investment increased sharply and, coupled with lower
wholesale market prices than in previous years, this resulted
in the slowdown or cancellation of several announced
projects. OMOI’s analysis indicates that net revenues
generated during the assessment period would not have
been sufficient to cover total costs of operating plants or to
attract new investment in supply or demand in many of the
regions examined. This was appropriate in regions that
have adequate reserves, but stronger and clearer price
signals were needed in several load pockets. In addition,
OMOI observed that bid mitigation may have dampened
the price signals markets provided for new investment
needed in load pockets.

Declines in the creditworthiness of several large market
participants, which increased financing costs, drove up the
costs of new investment. Lower credit ratings had implica-
tions not only for capital costs, but also for the liquidity and
collateral requirements for trading and marketing in the
futures and physical power and gas markets. Heightened
collateral requirements and changes in how rating agencies
assess the risk of power trading led to higher explicit or
implicit equity support needs for these activities. This ulti-
mately resulted in reduced electricity and natural gas trading
and the exit of several participants. New players began
to emerge with the resources to make new investments;
however, they required more certainty about market rules
and expected revenue streams than in the past.

9. Demand response would have been cost-effective in
some key locations.

Demand response, an effective tool for dampening
price spikes and protecting reliability, was largely missing
from electricity markets during the assessment period.
Because lack of demand responsiveness to price harms
competitive wholesale markets, demand response must
offer the customer an attractive proposition. In contrast to
regions with organized markets, wholesale prices in regions
without organized markets reflected day-to-day and seasonal
changes, but not the real-time changes in prices that reflect
the time-varying cost of producing electricity. Regardless
of market design, however, most end-use customers in all
regions were not aware of—and had no means to be aware
of—the hourly, daily and seasonal changes in the wholesale
costs of providing service to them.

A small percentage of customers had meters that
measure usage close to time of use, and even fewer receive
information directly about the prices prevailing in wholesale
markets. Demand response in organized markets was
successful in attracting some customers and had some
measurable effects on market-clearing prices. However, the
development of demand response resources was limited.

Given the relatively low energy prices during the assess-
ment period, hypothetical customers would have found low
or no net benefits from a hypothetical demand reduction
in most regions of the country if they were dependent on
energy bill savings alone. However, energy savings would
have been sufficient to make demand reduction cost-effec-
tive for a demand responsive customer in New York City.
Additional savings or revenues from demand response
markets or sale of ancillary services or capacity reserves
made demand reduction cost-effective in key load pocket
locations in Southwest Connecticut and the Delmarva
Peninsula in PJM.

Natural Gas Markets

1. Natural gas prices during the assessment period
generally behaved consistent with the fundamental
forces of demand, supply and seasonality, but the

market faced challenges.

The natural gas market exhibited characteristics of a
well-functioning market by delivering products on time to
customers and spurring reasonable levels of investment.
Limited production and severe weather during the assess-
ment period tightened supplies, which in turn led to higher
prices, greater price volatility and severe swings in storage.
In markets for financial transactions, the volume of trades
decreased, a problem exacerbated by the erosion of credit
quality among trading entities, including the bankruptcy
of some merchant firms. Price transparency was further
clouded by events that brought the credibility of the price
indices into question.

As evident in Figure 5, average spot and forward market
prices exhibited a significant upward shift in the past three
years, reflecting tight supplies and tight storage conditions.
Natural gas spot prices at Henry Hub escalated steadily
through the assessment period, rising from $2/MMBtu in
January 2002 to $6 in January 2003, then spiking briefly
in February 2003 to $19 before quickly returning to the
$6 range from March through June 2003. Futures prices
indicate the magnitude of the shift in general price levels.
The average next-month price was $2.04 from June 1990
through December 1999, but it more than doubled between
January 2000 and June 2003, rising to $4.18.
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Figure 5: Monthly natural gas prices peak in late-winter 2002 and remain high through following summer.
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Source: Platts Gas Daily and ICE. Analysis and graphic by OMOI.

Customers responded to higher prices, as appropri-
ate in an efficient market. Industrial and power customers
reduced natural gas use 5.6 percent and 13.0 percent,
respectively, between the first half of 2002 and first half
of 2003, while the residential and commercial sectors
increased consumption in response to weather condi-
tions and continued growth. A full assessment of the
consequences of higher natural gas prices and their effect
on the national economy and customers was beyond
the scope of this study, but there is concern that higher
natural gas prices are driving some industrial production
out of the United States and reducing disposable income
for customers.

Supply tightness, and concern about this tightness,
came from a 3.2 percent reduction in production in 2002,
declining well productivity, uncertainty about whether
production increased or decreased in 2003, reduced
imports (while LNG imports increased dramatically, lower
imports of natural gas via pipeline from Canada more
than offset LNG’s gains), increased exports to Mexico
and continued land access restrictions. At the same time,
as shown in Figure 6, storage inventory shifted from
abundant in November 2002 to the low end of the five-
year range in March 2003. Uncertainties about whether
storage could be adequately replenished helped boost
natural gas prices through summer 2003.
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Figure 6: Storage use pushes upper and lower capacity limits.
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Market participants’ capacity to manage price vola-
tility weakened, primarily because of the increase
in credit risk during the assessment period.

During the assessment period, the volatility for next-
day physical prices at Henry Hub rose, and both the price
level and price volatility were higher on average than in
any period during the early 1990s. Methods to reduce
exposure to price volatility included the use of storage, long-
term fixed-price physical contracts, firm pipeline capacity
contracts and financial contracts.

Reduced market liquidity weakened the ability of
market participants to manage volatility. The loss of liquid-
ity stemmed from the lower number of participants in the
market (due to bankruptcies and withdrawals) and possibly
from fewer trading positions per company. Underlying these
trends were increased credit risk and default risk. This in
turn led to difficulty finding creditworthy counterparties, a
decrease in the amount of counterparties willing to transact
long-term structured contracts and a decline in industry
confidence. There were also reported increases in bid-ask
spreads, another indication of credit strains and lower
market liquidity.

3. New participants and new products demonstrate
that the market gained efficiency as it addressed
the credit problems that hindered its effectiveness

during the assessment period.

Existing and new industry players, typically with
stronger credit ratings, entered the marketing and trading
segments of the industry, partially filling the void left by
the exit of many merchant energy companies prior to the
assessment period. New marketing and trading participants
included marketing affiliates of producers, LDCs and finan-
cially oriented firms, such as large banks and hedge funds.

In 2002, Nymex and ICE introduced new products for
credit clearing that enable participants to manage credit
risk by transferring the counterparty credit risk in bilateral
transactions to the clearing organization. Market partici-
pants actively purchased these products, but high margin
requirements and limited credit capacity inhibited some
participation.
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Figure 7: 2003 producer drilling response to high prices is moderate.
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The physical natural gas market coped with
imperfect transparency and eroded credibility,
while the financial markets provided forward price
transparency through several robust indicators.

The quality of price information available to physical
market participants varied because the lack of liquidity and
transparency inhibited price discovery at many of the trading
points outside of the most well known, such as Louisiana’s
Henry Hub, an active physical-market trading point as well
as the delivery point for Nymex gas futures contracts. As a
result, physical markets were highly dependent on indices
assembled from information provided by market participants
who voluntarily reported to index publishers and indices
based on exchange-conducted transactions.

Enron’s late-2001 declaration of bankruptcy, allegations
of misreporting by traders to the index publishers and revela-
tions of wash trading in April 2002 undermined credibility
of indices. The credibility problem and corresponding
changes in industry participant business strategies caused the
volumes of transactions reported to index providers to fall
sharply during the assessment period.

Efforts to restore confidence in indices and thereby
enhance price discovery have been multifaceted. Industry
groups developed and proposed best practices,® while
index developers increased the market participants’ ability
to examine liquidity factors and market trends at multiple
locations by categorizing each location by “tiers” that indi-
cated the volume of transactions. ICE began publishing the
number of counterparties and number of transactions per
location traded on its system.

Nevertheless, physical market price discovery continued
to be a problem. Many participants did not report to index
providers or did not report on all trading points. While the
entire market benefits from all participants reporting trans-
actions, individual participants may see no individual benefit
in submitting all their transactions to an index provider, a
factor that may discourage reporting.

8 FERC issued a policy statement reflecting a consensus on ways to improve

the current voluntary price reporting system and conducted a survey in
October 2003 to determine whether, how and to what extent market par-
ticipants reported price data to index developers.
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Prices in forward months are necessary for participants
planning hedges and making investment decisions. During
the assessment period, forward price transparency was avail-
able through the Nymex Henry Hub futures contract, which
offered prices out for six consecutive years. Forward price
transparency at locations other than Henry Hub were avail-
able for shorter periods of time. Forward price transparency
improved during the assessment period with the introduc-
tion in 2002 of financial OTC swaps on Nymex’s ClearPort
system.

5. The investment response to higher prices was mod-
erate, but price signals for needed investment were

reasonably strong.

Forward price expectations increased in 2003, sending
signals to investors that higher natural gas prices might be
sustainable and additional investment justified.

Despite strong price signals, the supply response did
not fully temper tightness in the overall North American
supply and demand balance. A moderate increase in gas-
directed drilling and diminishing recoveries per natural gas
well completed appeared to mute the new domestic natural
supply response. As shown in Figure 7, the drilling rig count
did not reach levels achieved after the 2001 price spike.
Factors contributing to this moderate response included
drilling companies’ efforts to strengthen their balance sheets,
avoid creating a glut in production and avoid investments in
marginal prospects.

In response to the supply outlook and to FERC’s change
in policy regarding LNG facilities, developers proposed
more than 30 LNG receipt terminals in North America to
supplement domestic supplies. As is the case for other capital
intensive projects, the number of LNG projects that will
actually be built will be less than those planned because
investors must overcome pricing, contracting, siting, permit-
ting and other concerns to secure financing, successfully
execute construction and operate. Even if successful, new
LNG investment will not substantially augment short- to
medium-term natural gas deliverability because new facilities
require years to complete.

Investment in new storage capacity was low, increasing
0.3 percent (23 Bcf) from 2001 to 2002. The slow rate of
capacity additions reflects the many challenges to storage
investment, including locating, acquiring and developing a
suitable storage site, regulatory delay and financial and credit
issues. For non-traditional, high-deliverability storage with
higher development costs, the economics are dependent
upon projecting trading benefits from volatility via “real
options” or other techniques, in addition to the traditional
seasonal arbitrage. Unfortunately, the advantages of trading
around volatility or real option value are difficult for lenders
and investors to quantify, especially with the decreased

activity in the wholesale trading sector and correspond-

ing reduced liquidity. Substitutes for storage (e.g., new
pipeline capacity, remarketed pipeline capacity and financial
products) also compete with increased storage investment.

Pipeline investment appeared to be appropriate given
basis signals. Before market participants contractually
commit to a project, forward market basis values or swaps
along key pipeline corridors must signal that added capacity
is needed and likely to be profitable’ The level of pipeline
completions grew steadily through 2002, with indications
that 2003 investment was slightly lower. Some pipeline
projects were delayed or cancelled. This was primarily
because many projects remained economically marginal,
especially in light of changing business conditions and the
difficulty of obtaining long-term contracting due to a lack of
shipper commitments and/or shipper creditworthiness.

Longer term, FERC certificated 2,234 miles (7.4 Bcfd)
of pipeline during the assessment period, indicating that
companies are planning to continue to invest. OMOI analysis
of financial basis differentials in the Rockies and San Juan
basin for example, suggest that price signals justify new
pipeline construction within the next two years. In contrast,
the differential from Henry Hub to Transcontinental Gas
Pipe Line Corp.s (Transco’s) Zone 6-NY provides partial
market signals supporting investment in the future, but does
not fully support new construction from the Gulf of Mexico.

? Abasis differential is the difference between a natural gas price point (e.g.,
a market hub, citygate or supply receipt area) and a reference point, most
often Henry Hub. During periods of low pipeline capacity utilization, the
basis differential will reflect the variable costs of transportation and typically
be below the 100 percent load factor pipeline tariff rate in an efficient natu-
ral gas market. As capacity constraints develop, the basis differential will
reflect regional supply and demand conditions in a market and, depending
on the severity of the constraint, the basis may exceed the cost-based tariff
rate for transmission capacity, occasionally by large multiples. Consistently
and sufficiently high basis differentials signal continued constraints and the
need for new pipeline capacity.
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ELECTRICITY
MARKET

PERFORMANCE

he Commission’s ability to assess the performance of electric markets varied substantially across the
United States as well as across electricity services and products. In most cases, more information
about the formation of short-term market prices was available in regions where Commission-
approved organized markets—ISOs or RTOs'"—operated than in regions where they did not.

Long-term price information was limited in all regions. During the assessment period, regions with operating
organized markets were ISO-NE, NYISO, PJM, ERCOT and CAISO. Regions without operating organized markets
were the Southeast, Florida, the Midwest, South Central," the Southwest and the Northwest. These regions are
shown in Figure 8.

1 An RTO is an independent entity approved by FERC to provide nondiscrim- from financial interests of participants, open access under a grid-wide

inatory wholesale electric transmission service under one tariff for a large
geographic area. To be approved by the Commission, an RTO must meet
four characteristics and perform eight functions listed in Order 2000. The
four characteristics are independence from market participants, appropri-
ate scope and regional configuration, operational authority over the region-
al grid and responsibility for short-term reliability. The eight functions are
tariff administration, congestion management, management of parallel path
flow; provision of ancillary services, provision of transmission information
through OASIS and calculation of available transfer capability (ATC), mar-
ket monitoring, planning and expansion and interregional coordination.
Similar to an RTO, an ISO is an independent entity that has been approved
by FERC to provide nondiscriminatory wholesale electric transmission ser-
vice under one tariff. An ISO must satisfy 11 ISO principles listed in Order
888, that require fair and nondiscriminatory governance, independence

tariff, control over operation and short-term reliability, efficient pricing

and congestion management, public and timely availability of transmission
information and coordination with neighboring regions. Though somewhat
different in scope and function, RTOs and ISOs are similar in that the
Commission grants them the authority to operate, in a nondiscriminatory
manner, the transmission assets of participating transmission owners in a
fixed geographic area. They also often operate short-term markets designed
to optimize generation costs. Some ISOs and RTOs operate both real-time
and day-ahead markets to balance the forecasted volumes with the volumes
actually consumed.

During the assessment period, Entergy Corp. was in preliminary stages to
join SeTrans, a proposed RTO in the Southeast. For this reason, its service
area was considered as part of the Southeast, not South Central. Depending
on future activities, we may realign the regions in subsequent reports.
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Figure 8: Map of electricity regions assessed.
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Note: Regional maps are located in Appendix 1.

Source: OMOI.

In both regions with and without organized markets,
short-term bilateral markets exist.”? These are primarily
day-ahead markets, which are forward markets for electricity
to be supplied the following day. In regions with organized
markets, additional day-ahead markets have developed, as
have real-time markets. Organized day-ahead markets are
short-term forward markets that settle or determine the
price for one-hour periods for delivery the next day. Real-
time markets are spot markets involving physical delivery on
the operating day that typically determine prices for shorter
time-periods (e.g., 5 or 10 minutes), even though an hourly
average price may be published for settlements. During
the assessment period, ISOs and RTOs did not operate
markets for longer-term electricity transactions. All long-term
contracting was conducted bilaterally. Table 2 summarizes
the key characteristics of wholesale electricity markets as
operated during the assessment period.

12 The bilateral market is a combination of bilaterally negotiated contracts
for energy and purchases of transmission and ancillary services under
regulated tariff rates. In many regions of the country, the energy commod-
ity is packaged with ancillary and transmission services provided by the
same seller. A bilateral physical energy transaction is a contract to deliver
a specified number of MW to a specified location (or trading point) for
a specified period of time. The terms of the contracts need not be stan-
dardized, although a prototype or master wholesale power agreement
has been developed and gained widespread use by the industry in recent
years (Edison Electric Institute and National Energy Marketers Association,
Master Power Purchase and Sale Agreement, 2000). The bilateral contract
may provide for delivery of power the next day, for several days, a month,
multiple months, a year or multiple years. In the most basic form of a bilat-
eral market, companies identify, evaluate, select and contract with bilateral
trading partners based on individual relationships and processes.
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Table 2: Wholesale electric market products.
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conducts an auction-based capacity market. Bilateral contracts and self-supply were also allowed. (3) Whereas products were available more widely
within other regions, products were only available for a single price point in this region.

Source: OMOL.

Table 2 illustrates that market options for custom-
ers were quite different between regions with organized
markets and regions without organized markets. The clearest
advantage was the opportunity for customers within regions
with organized markets to purchase day-ahead or real-time
energy in open, transparent markets that provided explicit
information on the locational price of energy, congestion
and losses. These regions also provided markets and public
market prices for competitive provision of several ancillary
services and capacity reserves.

Wholesale customers generally purchase electricity
products for four basic purposes:

P> to secure power for delivery at the time and location of
their choice,

P> to minimize exposure to under- or over-estimating their
expected demand at a future time,

>

to minimize exposure to fluctuations in the prices of
electricity, underlying fuels and transmission conges-
tion, and

>

to take advantage of market deals that are more eco-
nomic than self-generation.

A variety of short-term and long-term physical and
financial products can achieve these objectives efficiently;
Figure 9 represents a list of products used to manage the
physical delivery of electricity and the associated risks.
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Figure 9: Physical and financial power markets work efficiently in tandem.
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In a market system, market participants bear the risks
of supply and demand fluctuations. Investors bear the risks
of quantity, type, location and final cost of investments.
Customers should be able to contract for some of their
electricity needs in advance of the time of delivery and

consumption, just as they are able to do with other products.

Likewise, they should be able to procure other products

at or very near to the time of delivery and consumption.
Further, they should be able to purchase products that
allow them to manage a variety of risks—that they may not
accurately forecast their demand when entering into an
advance contract, that prices will change or that prices will
be volatile. Incomplete markets (those that lack some of
the products depicted in Figure 9) raise costs to customers
because risks and uncertainty are not efficiently shifted to
those willing to undertake them for potential profit. Long-
term contracting, for example, may have benefited from

more complete market options during the assessment period.

Approximately 28 percent of reported U.S. sales" were deliv-
ered under long-term contracts of one year or longer, but
long-term electricity markets offered limited forward price

transparency to facilitate this contracting. Similarly, long-
term contracting for set volumes is facilitated by a balancing
market or spot market to fill the gap between forecasted and
actual demand. However, customers in several regions did
not have access to a competitive balancing market during the
assessment period.

The development of organized markets has not been
uniform across the United States (see Figure 2). One reason
that some regions have not progressed in development
of open markets is the existence of indigenous low-cost
resources. As seen in Figure 10, regions with low percentages
of indigenous low-cost hydroelectric and coal resources
tended to have organized markets in place. This is in
contrast to regions with high percentages of indigenous
low-cost resources, which tended to stay in traditional
regulated structures.

5 Derived from FERC EQR, Fourth Quarter 2002 through Second
Quarter 2003. For more information on EQR data used in this report
see footnote 5.
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Figure 10: Regions in organized markets tended to have low shares of indigenous low-cost generation resources.
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We have observed that reported electricity prices over
the assessment period generally behaved in accordance with
observed forces of supply and demand, a key characteristic of
competitive markets. While prices have shown volatility, price
movements were consistent with drivers like electric demand
and fuel costs. Consequently, while this section establishes
the basis for these findings, we also consider factors that may
limit the competitiveness and efficiency of markets, including
local market power, transparency, barriers to entry, develop-
ment of associated risk management markets and adequacy
of price signals and market structure to create appropriate
incentives for investment.

We have organized this electricity section into five parts:
P> Market Structure
P> Prices, Market Activity, Congestion and Mitigation
P> Market Design and Price Transparency
P> Risk Management

> Infrastructure Investment

I Market Structure

Conventional economic analysis posits that market
performance is a function of market structure. The
characteristics of an electric market’s structure that are the
subject of Commission observation and analysis include:

>
>
>

>

the number of buyers and sellers active in the market,
concentration of ownership of generation,

the extent of vertical integration of market partici-
pants, and

barriers to market entry.

In particular, vertical market power (control of trans-
mission) and horizontal market power in generation are
two main concerns. The Commission has deemed electric
transmission non-competitive and has employed forms of
cost-based regulation to protect customers from the exercise
of vertical market power in transmission service. However,
more than a decade ago the Commission began to make use
of competitive market forces to the extent possible to achieve
just and reasonable prices for wholesale sales and purchases
of electric power."

14 See Footnote 1.
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The courts have held that the Federal Power Act allows
for market-based pricing only if the markets are competitive.
“When there is a competitive market the FERC may rely upon
market-based prices in lieu of cost-of-service regulation
to assure a ‘just and reasonable’ result.”” Additionally, the
courts have found that “[i]n a competitive market, where
neither buyer nor seller has significant market power, it is
rational to assume that the terms of their voluntary exchange
are reasonable, and specifically to infer that price is close
to marginal cost, such that the seller makes only a normal
return on its investment.”16

Number of Buyers and Sellers

Generally, regions with organized markets had
numerous buyers and sellers and the ownership of
generation was spread among several entities, primarily
independent power producers. Market participation by
buyers and sellers was less in regions without organized
markets and ownership of generation was more concen-
trated. These two elements of market structure are
examined in more detail in turn.

There were hundreds of participants in organized
markets, as indicated in Table 3.

Most generators and wholesale customers in these
regions participated in the ISO or RTO markets, although
the level of reliance varied. For example, approximately 50
percent of all wholesale transactions in New York reported
to FERC took place in its ISO markets, whereas market
participants reported that use of the CAISO balancing
markets represented about 1 percent of their total energy
transactions.17 The amount of energy traded in organized
markets during the assessment period was significant and, as
indicated by Table 4, appears to be growing."®

Figure 11 presents the average and highest number of
counterparties trading on ICE daily at six bilateral trading
hubs. The number of counterparties trading natural gas at
Henry Hub is shown for comparison. The Cinergy trading
hub in the Midwest was ICE’s most active bilateral electric-
ity trading point in the country during the assessment
period, although the number of counterparties was still
low compared to the number of counterparties in orga-
nized markets. A relatively large number of counterparties
were active at this hub, with significantly fewer in the other
regions without organized markets.

Table 3: Number of wholesale buyers and sellers in organized markets.

Wholesale Buyers

Generators only

Region and Sellers
ISO-NE 230
NYISO 216
PJM 251
ERCOT 140
CAISO 82

Source: 1SO websites and ISO market monitoring unit (MMU) response to OMOI data requests.

Table 4: Electricity volumes transacted in organized markets.

000 GWh

k Day-ahead market
(cumulative)

Real-time market

e ElEAFEHEREREFS
agen 6/30/03 6/30/03
ISO-NE ) ) 1 () 30 4 8 (2
NYISO 161 162 77 3 1 2
PJM 42 104 60 57 119 67
ERCOT (3) N/A N/A N/A 1 7 5
CAISO (4) N/A N/A N/A 14 2 1

Notes: (1) Day-Ahead Market initiated March 1, 2003. (2) Only includes transactions from March 1 to June 30. In addition, after March 1, 2003 the
real-time market was only a residual market. (3) ERCOT does not have a day-ahead market. Real-time energy balancing market began July 31, 2001.
Real-time market data are for real-time Balancing Up energy. (4) CAISO does not have a day-ahead market.

Real-time market data are for Incremental (INC) energy.

Source: 1SO websites and 1ISO MMU response to OMOI data requests.

22




STATE OF

THE MARKETS

Figure 11: Cinergy electricity trading on ICE reaches Henry Hub gas liquidity.
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Table 5: Reported electricity volumes transacted bilaterally.

Average daily volume (GWh)

2001 (full year) 2002 (full year) 2003 (first half)

2 . 0

Regions with orga- e '\IACVED l\vA N?A N?A
nized Pan e & 120 6
markets ERCOT NIIC\éVED 374 ?g 182
NP-15 e 7 51 2

Entergy [ a 7 30

e AL ’\lﬂg:lsD N1/A NiA N?A
vt v R A
markets SPP North ICE* N/A N/A N/A
Palo Verde '\fngD 1(7) g; ;12

Mid-Columbia e 15 e =

Note: *ICE did not report trade volumes for day-ahead power for NYPP ZG, Florida or SPP North. Megawatt Daily volumes reflect on-peak transactions

surveyed by the trade publication. Megawatt Daily data have been modified to make them comparable to ICE data. Megawatt Daily volumes have been

multiplied by 16 to convert from a 16 peak-hour MW contract into a MWh. Final volumes are converted to GWh. In addition, since Megawatt Daily vol-
umes include both buy and sell sides of transactions and ICE volumes include only the sell side of transactions, ICE volumes were doubled.

Source: Platts Megawatt Daily and ICE.

Reported trading activity in the other regions without
organized markets was significantly less than at Cinergy, as
can be seen in Table 5. Indeed, the level of reported trading
activity at the Florida and SPP North trading hubs was not
indicative of a liquid market.

Elizabethtown Gas Co. v. FERC, 10 E3d 866, 870 (D.C. Cir. 1993)

Tejas Power Corp. v. FERC, 908 E 2d 998, 1004 (D.C. Cir. 1990)

Derived from FERC EQR, Fourth Quarter 2002 through Second Quarter
2003. For more information on EQR data used in this report see footnote 5.
As discussed in more detail in the examination of market performance and
prices, the apparent decline in volumes traded in the CAISO and NYISO
real-time markets from 2001 to 2002 appear consistent with the design and
purpose of these markets—to balance differences between predicted and
actual consumption.
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Figure 12: Capacity market share lower in organized markets.
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Note: Installed capacity is the measured capacity or the capacity demonstrated to have been available during the hour of highest output of a generat-
ing unit. For purposes of this analysis, the working definition of a peaking unit is a natural gas or oil-fired unit with a heat rate greater than 10,000
Btu/kWh or a combustion turbine or internal combustion unit smaller than 50 MW in size with no reliable heat rate information reported.

Source: Platts POWERdat, Modeled Production Costs-Ownership-Based dataset for calendar year 2002. Analysis and graphic by OMOI.

Market Concentration
and Vertical Integration

High levels of concentration in generation ownership
and sales are an indicator of the potential to exert market
power in a region, creating inefficiency and raising prices
to customers. Figure 12 shows the largest market share
of generation® in each organized market for 2002. This
comparison shows that no one firm controlled a dominant
share of total installed generation capacity in any region
with organized markets. However, concentration in peaking
capacity appears higher.

ISO-NE, for example, had a relatively competitive
market structure with ownership of generation spread across
several entities.”’ Referring to the two left-hand columns of
Figure 13, the 10 owners of the largest shares of generation
accounted for 70 percent of total generating capacity in the
region but no single entity controlled more than 20 percent
of total installed capacity or the MWh produced.21

Only one vertically integrated utility (transmission
owner that owns generation capacity and provides distribu-
tion services) was among the top 10 generation owners, and
55 percent of its generation was owned by the utility. The
remaining 45 percent was owned by a non-regulated affili-
ate. Two entities, both non-utilities, owned greater than a 20
percent share of peaking capacity and had greater than a 20
percent share of the peaking MWh generated. Comparison of
the ownership shares with the corresponding share of energy
produced by the entity indicates that the share of energy
sold by an entity within a region with an economic dispatch
process was not necessarily proportional to ownership.

As previously mentioned, within the relatively
competitive structures of the organized markets, there
were peak periods and locations where concentration
of generation ownership was higher. In New York, for
example, as seen in Figure 14, one company controlled
a significant portion of peak period capacity, but just 18
percent of total installed capacity.

¥ The regional market share calculations in this section are of gross capacity
installed and MWh generated and are not adjusted for generation used to
meet obligations for operating reserves, retail service or long-term con-
tracts. The treatment of these factors, among others, is under consideration
by the Commission in Docket No. PL02-8-000 regarding a Conference on
Supply Margin Assessment.

Entities are identified by type: Vertically Integrated Utility (VIU),
Independent Power Producer (IPP), Municipal utility (Muni), federal power
administration (Federal), cooperative utility (COOP), other type of public
power agency (Pub Auth). The number assigned to an entity represents
ranking within the region being examined, and does not track to any other
region.

For purposes of this analysis, markets with a single entity owning 20
percent or less of the generation are considered to exhibit low levels of
concentration, shares of 20 to 35 percent are considered moderately con-
centrated and those with shares above 35 percent are considered highly
concentrated.
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Figure 13: Multiple companies own New England generation.
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Note: Installed capacity is the measured capacity or the capacity demonstrated to have been available during the hour of highest output of a generat-
ing unit. For purposes of this analysis, the working definition of a peaking unit is a natural gas or oil-fired unit with a heat rate greater than 10,000
Btu/kWh or a combustion turbine or internal combustion unit smaller than 50 MW in size with no reliable heat rate information reported. MWh
produced is the net generation of an electric generating unit, or the amount of gross generation less the electrical energy consumed at the generating
station(s) for station service or auxiliaries. Electricity required for pumping at pumped-storage plants is regarded as electricity for station service and
is deducted from gross generation.

Source: Platts POWERdat, Modeled Production Costs-Ownership-Based dataset for calendar year 2002. Analysis and graphic by OMOI.

Figure 14: New York peaking generation concentration high.
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Note: Installed capacity is the measured capacity or the capacity demonstrated to have been available during the hour of highest output of a generat-
ing unit. For purposes of this analysis, the working definition of a peaking unit is a natural gas or oil-fired unit with a heat rate greater than 10,000
Btu/kWh or a combustion turbine or internal combustion unit smaller than 50 MW in size with no reliable heat rate information reported. MWh
produced is the net generation of an electric generating unit, or the amount of gross generation less the electrical energy consumed at the generating
station(s) for station service or auxiliaries. Electricity required for pumping at pumped-storage plants is regarded as electricity for station service and
is deducted from gross generation.

Source: Platts POWERdat, Modeled Production Costs-Ownership-Based dataset for calendar year 2002. Analysis and graphic by OMQI.
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Figure 15: High generation ownership shares in regions without organized electricity markets.
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Note: Installed capacity is the measured capacity or the capacity demonstrated to have been available during the hour of highest output of a
generating unit. For purposes of this analysis, the working definition of a peaking unit is a natural gas or oil-fired unit with a heat rate greater than
10,000 Btu/kWh or a combustion turbine or internal combustion unit smaller than 50 MW in size with no reliable heat rate information reported.

Source: Platts POWERdat, Modeled Production Costs-Ownership-Based dataset for calendar year 2002. Analysis and graphic by OMQI.

Although no single entity owned more than a 20
percent share of total installed capacity or energy produced,
one entity, a vertically integrated utility with non-utility
affiliates, owned 43 percent of the peaking capacity in the
region and generated 62 percent of the peaking MWh. This
is a serious concern because the capacity of this entity was
the pivotal supply in the significant load pockets of New York
City and Long Island.”

Nevertheless, pivotal supplier tests performed by the
market monitoring units (MMUs) of the ISOs and RTOs
show declines in market concentration in some organized
ISO markets as market concentration was diluted by new
entrants. In New England for example, while there were a
significant number of hours during the assessment period
during which pivotal suppliers existed, the average residual
supply index (RSI)* improved since the opening of the
1SO markets in May 1999.2 Nevertheless, the RSIs in load
pockets such as Southwest Connecticut and NEMA/Boston
areas revealed significantly more hours during which pivotal
suppliers existed than was indicated by the system-wide
measures.”

In California, there were pivotal suppliers in about 6
percent of hours in 2000 and 12 percent of hours in 2001. In
2002, which is within the assessment period, suppliers were
pivotal in less than 0.1 percent of hours. CAISO measures
pivotal supplier conditions through use of an RSI. CAISO’s
Department of Market Analysis (DMA) has recommended
accounting for “possible collusion” by adding a 10 percent
margin to the residual supply screen for pivotal suppliers,
which increases the hours with pivotal suppliers. Using this

assumption results in pivotal suppliers in 20 percent of hours
in 2000, 36 percent of hours in 2001 and 1.4 percent of
hours in 2002.%

Appendix 3 details the pattern of generation ownership
in the remaining regions with organized markets.

In contrast to the organized markets, many regions
without organized markets exhibited few buyers and sellers
(as approximated by trading volumes) and high concentra-
tion of generation ownership by transmission owners and
control area operators. As shown in Figure 15, many of these
regions exhibited high market shares for the single largest
owner in both installed and peaking capacity generation
markets, largely because of the dominance of vertically inte-
grated utilities and the historical development of the regions.

2 The entity, KeySpan Corp., has recently added a new generating unit in

Queens increasing the company’s total electric generation capacity by 12 per-
cent. KeySpan is also seeking approval to build two additional power plants
on Long Island. KeySpan Corp., Jan. 6, 2004.

Residual supply is the amount of generation capacity remaining in the mar-
ket, after subtracting the capacity of the largest supplier. If RSI exceeds 100
percent, this indicates that the alternative suppliers have sufficient capacity to
meet demand without the largest supplier, who is thus presumed to have rel-
atively little influence on the market-clearing price for a given hour. However,
if the RSl is below 100 percent, this indicates that the largest supplier’s capac-
ity is needed to meet market demand and the supplier is considered pivotal
in determining the market-clearing price for that hour.

ISO New England Inc., Annual Markets Report May—December 2002,
Aug. 13, 2003.

Data response from ISO-NE MMU.

Data response from CAISO-DMA, and “Predicting Market Power Using the
Residual Supply Index,” Presentation to FERC Market Monitoring Workshop,
Anjali Sheffrin, DMA, California Independent System Operator, Dec. 3, 2003.
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Figure 16: Southern subregion of SERC generation ownership concentrated.
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Note: Installed capacity is the measured capacity or the capacity demonstrated to have been available during the hour of highest output of a
generating unit. For purposes of this analysis, the working definition of a peaking unit is a natural gas or oil-fired unit with a heat rate greater
than 10,000 Btu/kWh or a combustion turbine or internal combustion unit smaller than 50 MW in size with no reliable heat rate information
reported. MWh produced is the net generation of an electric generating unit, or the amount of gross generation less the electrical energy
consumed at the generating station(s) for station service or auxiliaries. Electricity required for pumping at pumped-storage plants is regarded as
electricity for station service and is deducted from gross generation.

Source: Platts POWERdat, Modeled Production Costs-Ownership-Based dataset for calendar year 2002. Analysis and graphic by OMO.

Southern Co., for example, controlled 66 percent of
installed generation and 51 percent of peaking capacity in its
market. The second largest generator in the Southern service
area” controlled 7 percent of installed and peaking capacity.

Similarly, in both the Entergy and TVA? subregions of
SERC, ownership of generation was heavily concentrated in
a single entity, a vertically integrated utility that controlled
transmission service. The second largest market share was
less than 10 percent. Detail of the pattern of generation
ownership in the regions without organized markets is
provided in Appendix 3. Of the 12 regions examined, eight
had moderate or high levels of concentration of generation
ownership. Four (SPP, MAIN, ECAR and AZ-NM-SNV) exhib-
ited low levels of concentration in generation ownership.

These observations are consistent with the pivotal
supplier analyses” filed by jurisdictional entities in these
regions. During 2003, the Commission issued orders
in about 285 dockets finding that the applicant had
passed, or was exempt from, the pivotal supply screen
and authorizing continuation or new market-based rate
authority. Approximately 140 dockets are pending before
the Commission wherein the Commission will determine
whether the applicant is a pivotal supplier in the market. An
initial review indicates that many of these will not pass the
supply margin assessment and, accordingly, will be found to
be a pivotal s